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a b s t r a c t
Large-scale hydraulic fracturing of horizontal wells is a key technology for shale gas extraction, during
which tens of thousands of cubic meters of water could be injected into the formations for hydraulic
fracturing. Water is imbibed into the shale pores under the action of capillary force and osmotic pressure.
The relevant research has intensively been conducted worldwide on imbibition in porous media, including
fractal modeling of the phenomenon. One signiﬁcant drawback of the imbibition models proposed is
their focus solely on the capillary force and pore fractal characteristics, ignoring the self-imbibition of
clay pores under osmotic pressure. In this paper, the pore characteristics of shale are analyzed by ﬁeld
emission scanning electron microscopy (FSEM) and fractal analysis. A multi-pore fractal model is then
developed for imbibition in shales, honoring capillary forces, osmotic pressure and pore structure. The
results show that the morphology of organic and brittle pores tends to resemble an ellipse, while that of
clay pores is similar to parallel fractures. It is observed that the imbibition capacity is more inﬂuenced
by the fractal dimension of pore tortuosity rather than pore volume. In this regard, the effect of the
maximum short axis of an elliptic pore on imbibition is more important that of the minimum short
axis. The imbibition ability has a direct relationship with ﬂuid viscosity. But there is a critical viscosity
value, beyond which the imbibed volume ﬂattens out. In the case of multiple-pore imbibition, clay pores
demonstrate the fastest, longest and largest liquid imbibition process.
© 2021 The Author(s). Published by Elsevier Ltd.
This is an open access article under the CC BY-NC-ND license
(http://creativecommons.org/licenses/by-nc-nd/4.0/)

1. Introduction
The typical shale porous system can be characterized as one
with extremely narrow pore throats, multiple coexisting pore
types, low porosity, high degrees of compactness, large speciﬁc
surface area, complex minerals, organic matter, natural cracks and
weakly cemented [1–4]. Massive hydraulic fracturing has become
an essential technology for commercial exploitation of shale gas
[5–7]. Extensive fracturing in horizontal wells can interconnect
natural cracks and fractures, creating new gas ﬂow networks near
the wellbore [8–10]. Ten thousand cubic meters of water-based
fracturing ﬂuid can be injected into shale formations during hydraulic fracturing [11]. Because of the disparity in geological characteristics of the fractured area (compared to the original reservoir
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conditions) and in fracturing ﬂuid performance, the fracturing ﬂuid
typically has low ﬂowback rate in shale reservoirs. Representative
values are shown in Table 1. Upon fracturing, there is an inverse
correlation between gas production and ﬂowback rate; in fact, a
“V” shape is observed in the ﬂowback gas-to-water ratio [12,13].
This can be explained by the suction of a large volume of the injected ﬂuid into the shale nano-pores through the action of capillary forces and osmotic pressure [14,15].
To describe water imbibition, Handy [20] assumed that the
process is a piston-like displacement, the ﬂow obeys the Darcy’s
Law and the pressure gradient of the gas phase at the leading
edge of the water phase could be ignored, thus obtaining a onedimensional imbibition model. Li and Horne [21] established a
linear model between the self-imbibition rate and the reciprocal
of the self-imbibition volume based on the Handy model. Li and
Horne [22] improved the imbibition model by taking the original
saturation into account. In fact, these models are based on uniform capillary bundle and are unable to effectively describe the
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Table 1
Flowback rate after shale fracturing in ﬁve North America and four
China projects.
Region

Formation

Flowback rate (%)

North
America

Barrnet/Marcelus [16]
Horn River [17]
Haynesville [16]
Eagle Ford [18]
Average in North America [19]
Weiyuan
Yongchuan
Changning
Fuling

50
25~55
5
<20
6~10
40.3
34.3
12.7
3.9

China

Statistical average was performed for various pore sizes in FESEM images, the pore length-width ratios for organic and brittle
mineral pores are 2.336 and 3.286, respectively, which can point
to an elliptic shape. On the other hand, the average ratio for clay
pores is 4.397, which is close to that of parallel fractures. As observed in many experiments [34-36], this analysis also conﬁrms
that shale pores can be characterized either by elliptic pores or by
micro-fractures.
Fig. 2 presents pore size distributions of the three pore types
occurring in the Longmaxi samples. Note that the presence of organic and clay pores is visually evident in the range of 10 and
30 nm, while brittle mineral pores are most frequently rendering
at 100 to 200 nm. These main distribution range of different pore
diameters are consistent with previous ﬁndings [37,38].

ﬂuid ﬂow in shale [23]. However, the shale pore size spans a large
range of length scales from nanometer to micron, for instance, so
the uniform capillary bundle model is not suitable for modeling
ﬂuid ﬂow in shale rocks. Nevertheless, the fractal theory was suggested [24,25] to be suﬃciently powerful to characterize disorder
and irregular objects in shale. Based on the models presented by
Li and Horne, Li and Zhao [26] employed the fractal theory to propose a fractal power law for the relationship between imbibition
rate and time.
Lucas [27] and Washburn [28] established the Ll-W model with
circular capillaries as pore channels under the assumptions of
quasi-equilibrium conditions and a Newtonian-ﬂuid laminar ﬂow,
governed by hydrostatic pressure and capillary forces. Based on
this model, Zhmud et al. [29] deduced the asymptotic solution
of the vertical capillary. Fries and Dreyer [30] calculated the selfimbibition of the inclined capillary based on the Ll-W model. Furthermore, Benavente et al. [31] and Dimitrov et al. [32] improved
the Ll-W model by incorporating tortuous pores with speciﬁc
shape factors and slip length, accounting for the slip pheno menon
during imbibition, respectively. Recently, Cai and Yu [24] utilized
the fractal theory to quantify pore characteristics of porous media. They adopted the general idea behind the L-W model to establish a fractal imbibition model driven by both capillary and gravity
forces.
The models mentioned above take only capillary force into consideration, neglecting the effect of osmotic pressure that is a driving force of imbibition. Multiple pore types are associated with
shale such as brittle, organic and clay pores. The clay pores act
similar to semi-permeable membranes and their poor mineralization leads to osmotic pressure [48]. Therefore, it is reasonable and
necessary to include osmotic pressure in models of imbibition. In
this paper, we develop a fractal imbibition model for shale rocks
that accounts for the two forces mentioned as well as multiple
pore types.

3. Multiple-pore shale imbibition model
Based on the discussions presented in Section 2, the process of
imbibition in shales can be decomposed into two distinct regimes:
(1) Imbibition in organic and brittle mineral pores (non-clay pores),
resembling an elliptic tube with a long axis a, and a short axis
b (Fig. 3A);
(2) Imbibition in clay pores, similar to a fracture with a width of w
(Fig. 3B).
3.1. Imbibition model for non-clay pores
As aforementioned, non-clay pores (organic and brittle mineral
pores) are similar to ellipses in shape. The ﬂuid laiminar ﬂows
in an elliptic tube, as a model a nanpore channel [39], can be
schematically illustrated in Fig. 4.
For laminar ﬂow of incompressible and viscous ﬂuid through
an elliptic tube, the simpliﬁed Navier-Stokes (N-S) equation can be
applied to characterize the ﬂow in such an elliptic tube:

∂ 2u ∂ 2u 1 d p
+
=
∂ y2 ∂ z 2 μ dx

(1)

where p is the differential pressure and u and μ are the aqueous
phase velocity and viscosity, respectively. Since the velocity is at its
maximum at the center of the ellipse, the velocity gradient is zero
at this point. Therefore, the following boundary conditions apply
to the N-S equation:

⎧
⎨y = 0, z = 0, ∂ u = 0
∂y
⎩y = 0, z = 0, ∂ u = 0
∂z

(2)

Many experiments [e.g., 32,40,41] have veriﬁed that the boundary slip effect cannot be ignored when the ﬂuid ﬂows in pore
channels at micro- or nano-meter scale, and the no-slip boundary
condition is valid any more for shale rocks [42]. While the liquid
ﬂow within the shale pores is subject to slippage near the boundary (Fig. 5), the N-S equation can still describe the ﬂow [43].
Further to Eq. (2), an additional boundary condition is deﬁned
by Eq. (3):

2. Three types of shale pores
Quanta250 FEG ﬁeld emission scanning electron microscope
(FESEM) has been widely utilized to reveal pore characteristics
in shale rocks [33]. The instrument is able to reach imaging and
backscattering electron imaging resolutions of up 1.2 nm 2.5 nm,
respectively. The scanner is also powered by an INCA-MAX20 type
energy spectrometer to allow micro-region composition analysis.
To study nanoscale pores, such as organic pores in shale, argon
ion polishing can be used to crop off thin cross sections from bulk
samples.
Fig. 1 shows FESEM images of the three shale pore types, captured from the samples in Longmaxi shale formation in Sichuan,
China. As illustrated, organic pores are roughly round or oval in
shape (Fig. 1A); clay pores are narrow slits relatively high in width
and length (Fig. 1C); and the brittle mineral pores can be described
as mainly irregular polygons (Fig. 1B).

⎧
⎨u = −Ls ∂ u |y=b,z=0
∂y
⎩u = −L ∂ u |
s
∂ z z=a,y=0

(3)

where a is the long axis of the elliptic pore, b is the short axis and
Ls is the boundary slip length (Fig. 5b). Eq. (1) can be solved if the
boundary conditions in a straight elliptic tube is considered:



π m2 b3 mb2 +6(m + 1 )bLs + 32Ls 2  p
q=
L
64μ[(m2 + 1 )b+4(m + 1 )Ls ]
2

(4)
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Fig. 1. Three types of pores in shale: organic (A), brittle mineral (B) and clay (C) pores. Shale rocks collected from Longmaxi shale formation in Sichuan, China.

where q is ﬂow rate, m is the aspect ratio of elliptical pores (a/b)
and L is the length of the ﬂuid imbibed into the elliptic tube.
Eq. (4) describes imbibition in a straight single elliptic tube. However, an actual shale porous system is characterized by heterogeneity and randomness, the simplest representation of which is tortuosity. Based on the fractal theory, tortuous streamline in an elliptic
tube can be described by Yu & Cheng [44]:

Lt (d ) = b1−DT LDT

(5)

Where DT is the ﬂexibility fractal dimension and Lt is actual
streamline length. If capillarity is considered as the dominant driving force for imbibition in shales, ignoring gravity [45], the shale
imbibition pressure drop can be given by:



 p = 2σ

Fig. 2. Distribution of different types of pores in the Longmaxi shale samples.

cos θ
cos θ
+
mb
b



(6)

Where σ is the gas-water interfacial tension and θ is wetting contact angle. By substituting Eq. (5) and (6) into Eq. (4), an equation
for tortuous elliptic-pore imbibition can be obtained:

q=



π m(m + 1 )σ b1+DT cos θ mb2 +6(m + 1)bLs + 32Ls 2

 DT
32μ m2 + 1 b+4(m + 1 )Ls L0

(7)

Where Lo is the imbibition length that is the length of ﬂuid sucked
in non-clay pores. The drawback of this equation is that it only
considers a single elliptic pore, in reality shale is a multi-pore
medium. The fractal scaling of elliptic pore size can be expressed
by Li [46]:

Fig. 3. Schematic diagrams of equivalent pore cross sections in shale: non-clay
pores (A) and clay pores (B).

f
−dN = Df bDmax
b−(Df +1) db

(8)

Where Df is the fractal dimension, bmax is the maximum pore diameter (i.e., the biggest of all non-clay pores in a shale sample)
and N is the number of fractal elements. The total ﬂow can be obtained using Gauss-Legendre integral for all elliptic pores based on
Eq. (7) and (8):

⎧
⎪
⎨Q =

Fig. 4. Schematic diagram of laminar ﬂow in a circular tube.

D

f (b
π m(m+1 )σ cos θ Df bmax
max −bmin )
64μLDT

n
k=0

⎪
⎩b = bmax − bmin t + bmax + bmin
k
k
2

ωk

D −Df

bk T

[mb2k +6(m+1)Ls bk +32L2s ]



(m2 +1 )bk +4(m+1)Ls

2

(9)
Where bmin is the smallest diameter of all non-clay pores in a
shale, ωk is the weight coeﬃcient, n is the number of segments
in the Gauss integral solution formula and tk is the Gauss point
determined by n. For example,n = 4, tk = ±0.8611363, ±0.3399810
and ωk = 0.3478548, 0.6521452. According to the Sierbinski carpet
fractal model [47], the total pore area per unit is:
Fig. 5. The schematic diagram of boundary condition without (a) and with (b) slippage.

Ap =
3

π mb2max Df (1 − φ )
4 (2 − D f )

(10)
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Table 2
The measured parameters for non-clay pore imbibition modeling.
Parameter

θ

μ

σ

Ls

m

Df

DT

bmax

bmin

Unit
Value

°
30

mPa•s
1

mN/m
70

nm
0

–
1

–
1.62

–
1.269

nm
3230

nm
1.49

where
is the total porosity of shale. Thus, the average velocity
of all curved capillary tubes can be derived as:
D −2

vt =

f
(m + 1 )(2 − D f )(bmax − bmin )
Q σ cos θ bmax
=
Ap
16μ(1 − φ )LDT

×

n




ωk



bDk T −Df mb2k +6(m + 1 )Ls bk + 32L2s


(11)

m2 + 1 bk +4(m + 1 )Ls

k=0

On the other hand, the average ﬂow velocity of all curved
capillary tubes can also be obtained by integrating both sides of
Eq. (6) after differentiation [47]:

vt =

DT Df
b1−DT LDT −1 v0
DT + Df − 1 min

(12)

Combining Eq. (11) and (12), and integrating with respect to
time t results in the following equation for the imbibition length
of non-clay elliptic pores:

Fig. 6. Comparison of two non-clay pore imbibition models.

Where pπ is the osmotic pressure, ε is the number of ions after solute ionization, Eπ is the membrane eﬃciency, R is the gas constant
of 0.08206, T is the absolute temperature of a formation, Csh is the
molar solute concentration in the original formation water and Cf
is the molar solute concentration in the fracturing ﬂuid. And the
calculation formula of Eπ is [49].



f −2
(m + 1 )(2 − D f )(DT + Df − 1 )(bmax − bmin )
σ cos θ bDmax
L=
−DT
8μDf b1min
(1 − φ )

×

n

k=0


ωk

bDk T −Df



mb2k +6

(m + 1 )Ls bk + 32Ls

m2 + 1 bk +4(m + 1 )Ls

2

 

1
2 DT

1
t 2 DT

Eπ =1 −

(13)

(17)

(14)

Where ECEC is the cation exchange capacity of shale; Rca-w is the ratio of the friction coeﬃcients of anions to water; Rca-m is the ratio
of the friction coeﬃcients of anions to membrane; Ra-mw is the ratio of the friction coeﬃcients of anion semi-permeable membrane
to cation water; Ca is the concentration of anions in the pores of
the semi-permeable membrane; Cs is the arithmetic mean of solute in solution on both sides of the semi-permeable membrane;
Cc is the cationic concentration in the semi-permeable ﬁlm; C is
the clay mineral porosity; and ﬁnally, ρ clay is the density of clay
minerals.
As the clay pore imbibition mainly caused by the action of
capillary force and osmotic pressure, so the difference of selfimbibition pressure is the sum of these two pressures, which can
be described by:

Where Vimn , Vimo and Vimb are the imbibition volume of non-clay
pores, organic pores and the brittle pores, respectively; Aim is the
contact area of ﬂuid and shale; subscripts o and b represent organic and brittle mineral pores; to and tb are porosities from
the organic and brittle mineral pore; and ﬁnally Lo and Lb are the
imbibition length of organic pores and brittle mineral pores.
For elliptic tubes, its length-width ratio is 1, the model
(Eq. (13)) can be simpliﬁed as an imbibition model. Furthermore, if
the slip length is zero, the model is then consistent with the fractal imbibition model given by Cai et al. [24]. Using the measured
properties as listed in Table 2, we can calculate imbibition volumes
by both models and are able to conﬁrm the excellent agreement
as illustrated in Fig. 6, which validates our model in a comparative
sense.

p =

3.2. Imbibition model for clay pores

2σ cos θ
+ ε Eπ RT (Csh − Cf )
w

(18)

Where w is clay pore width. On the basis of the plate ﬂow equation [50] and including the boundary slip, the parallel plate ﬂow
equation can be given by:

Compared with non-clay pores, the clay surface is charged, and
the osmotic pressure can then be generated due to the effect of
double electron layers and the difference of salinity between inside and outside the formation [48].Therefore, the forces exerted
on clay pores during self-imbibition should include not only capillary force but also osmotic pressure. The osmotic pressure is often
calculated by Van ’t Hoff’s formula [49].

pπ = ε Eπ RT (Csh − Cf )

(16)

⎧ 1
1
⎨Cs = 2 (Cf + Csh ) ≈ 2 Csh
 2 2
1
C = − 12 ECEC ρclay (1 − φc ) + 12 ECEC
ρclay (1 − φc )2 + 4Cs2 φc2 2
⎩ a
Cc = Ca + ECEC ρclay (1 − φc )

Although imbibition in organic or brittle mineral pores could be
described by this equation, the ﬁnal imbibition volume should take
both pore types into account. Assuming the contact area between
shale and liquid isAim , the imbibition volume of elliptical pores in
shale hence is:

Vimn = Vimo + Vimb = Aim (φtoL0 + φtoLb )

(Rca−w + 1 )Ca /Cs
{Rca−w (Ca /Cc ) + 1 + Ra−mw [Rca−m (Ca /Cc ) + 1]}φc

q=



Bw3  p
6Ls
1+
12μ L
w



(19)

Where B is the length of the clay pores. On the other hand, the
parallel plate ﬂow rate has the following relationship with time:

q=Bw

(15)
4

dL
dt

(20)
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By fusing together Eq. (18-20), the imbibition length of a single
clay pore can be obtained as:



L=

√
σ cos θ
ε Eo RT (Ct − Cf ) 2
w + 6Ls w · t
( w + 6 L s )+
3μ
6μ

(21)

As all the pores are at nano-scale, the fractal statistical properties of circular pores are still applicable to clay pores. Eq. (5) can
be modiﬁed to replace the pore diameter of the elliptic tube by
clay pore width that is w. By doing so, the tortuous streamline of
the clay pores can be related to the straight-line distance as:

Lt (w ) = w1−DT LDT

(22)

Eq. (20) and (21) can be combined to give the imbibition ﬂow
rate of a single curved capillary:

q=

Fig. 7. Schematic of shale imbibition experiment setup.

ξ σ cos θ 1
ξ p π 3 +D T
w2+DT + 6Ls w1+DT +
w
+ 6Ls w2+DT
6μ
12μ LDT
LDT

According to the shale multi-porosity splitting model [51], the
cumulative imbibition volume Vim is the sum of imbibition volumes of organic pores, brittle mineral pores, and clay pores:

(23)
The expression formula of the elliptic fractal (Eq. (8)) can also
be applied to clay pores:

−dN =

f
Df wDmax
w−(Df +1) dw

Vim = Vimo + Vimb + Vimc
Where Vim is the total imbibition volume.

(24)

Combined with Eq. (24), the single clay pore ﬂow formula
(Eq. (23)) can be integrated over all clay pores to calculate the total
imbibition rate. This would lead to the actual average curved clay
pore ﬂow rate:

vt

+

3.3. Validation and analysis
A shale core of the Longmaxi formation at Sichuan Basin in
China was utilized in our self-imbibition experiment with distilled
water as wetting ﬂuid. A schematic of the experiment setup can
be found in Fig. 7, coupling with speciﬁc measuring methods for
modeling parameters, such as many physical and chemical properties.
The experimental procedure is summarized as the following
ﬁve steps:



σ cos θ 1
( A2 + 6Ls B2 )
6μ LDT

1
(C2 + 6Ls A2 )
DT

2 − Df
Q
=
=
Ap ( 1 − φ )
po
12μ L

(25)

Where the unknown parameters are given by:
2+D −D f c

A2 =

Tc
wDmax
(1 − βc Tc
2 + DTc − D f c

B2 =

Tc −1
wDmax
(1 − βc Tc
1 + DTc − D f c

C2 =

DTc
Tc
w1+
max (1 − βc
3 + DTc − D f c

βc =

wmin
wmax

)

1+D −D f c

1+D −D f c

(1) Prepare a standard shale core of 5.0 cm in length and measure
the basic parameters (Table 3 and 4).
(2) Dry the core by placing the core in an oven and heat it for more
than 10 h at a temperature of 100 °C.
(3) Weigh the core and wrap the core surface with a heat shrinkable tube.
(4) Position the shale core into the imbibition experiment setup, as
shown in Fig. 7.
(5) Monitor weight change of the core through the whole imbibition process.
(6) Carry out the same drying treatment in the end.

(26)

)

(27)

)

(28)
(29)

From the experimental results, a logarithmic curve of imbibition
volume versus time can be plotted in Fig. 8a. Meanwhile, using the
measured parameters shown in Table 3 and 4 for the model given
by Eq. (32), we can calculate the imbibition volume as a function
of imbibition time too, see Fig. 8b. Note that in our model neither
pore structure change nor induced micro-fractures are taken into
account aiming to simplify our models as much by using less parameters.
It is evident that the experimental imbibition process can be
divided into three major stages according to the slopes of the three
linear functions, and the three stages can be explained in physics
as follows.
Stage 1: It is a procedure during which only self-imbibition
occurs and no pore microstructure changes are involved, and no
micro-fractures are created. According to the theoretical imbibition
ﬂow process in shale rock, the imbibition volume under the condition of ﬁxed pore morphology can be described as a linear function
of imbibition time, which is conﬁrmed by the trendline shown in
Fig. 8a with a big coeﬃcient of determination of 0.9983. At this
stage, the proposed model is able to set exactly the same condition, consequently achieve an excellent agreement with the exper-

In Eq. (29), wmax and wmin are the maximum and minimum clay
pore widths, respectively; βc is the ratio of the wmin and wmax ;
the subscript c refers to clay pore. Upon integration with respect
to time, Eq. (25) can be used to compute the imbibition length in
clay pores:

⎧
Lc = Lcp + Lπ
⎪
⎪
⎪
⎪

⎪
⎨
(DT +Df −1 )(2−D f )  σ cos θ
Lcp =

Dw

1−DT

( 1 −φ )

3μ

1

1


( A2 + 6 Ls B2 ) 2 DT · t 2 DT

f min
⎪
1
1
⎪
⎪

⎪


⎪
⎩Lπ = (DT +D1f−D−1)(2−D f ) 6pμo (C2 + 6Ls A2 ) 2DT · t 2DT
T

(30)

Df wmin (1−φ )

Where Lcp and Lπ are the imbibition lengths of clay pores under
capillary force and osmotic pressure, respectively.
Combined with the imbibition pore area of clay minerals, the
pore imbibition volume is:

Vimc = Aφtc Lc

(32)

(31)

Where Vimc is the imbibition volume of clay pores and tc is the
porosity when accounting for the contribution from clay pores.
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Table 3
Parameters of the shale core sample.
Parameter

Unit

Organic pore

Brittle pore

Clay pore

Measuring method

θ

°
%
–
nm
nm
nm
–
–
%

80.40
20.08
2.336
4.41
627
1.47
2.681
1.212
1.534

16.20
0.88
3.286
1.56
1020
7.5
2.549
1.297
0.676

11.50
7.84
–
1.53
461
1.47
2.619
1.255
1.600

Cassie and Baxter method [52]
Wang et al. method [51]
FESEM
Contact Angle ﬁtting
FESEM
FESEM
FESEM
Hager et al. method [53]
Helium test

(mineral porosity)
m
Ls
bmax
bmin
Df
DT
t (core porosity)

Table 4
The essential parameters of the shale sample and the wetting ﬂuid.
Parameter

Af

μ

σ

Csh

Cf

Unit
Value
Measuring method
Parameter
Unit
Value
Measuring method

cm2
6.45
Experimental measurements
T
K
293.15
Thermometer test

mPa•s
1.00
Viscometer test
ECEC
–
3.7
Methylene blue test

mN/m
74.10
Surface tension meter
Rca−m
–
1.8
Constant

mol/L
0.525
Chromatograph test
Rca−w
–
1.63
Constant

mol/L
0.017
Formula calculation
Ra−mw
–
1.37
Regressive calculation

Fig. 8. (a) The double logarithmic dotted curve of experimental imbibition volume against time with three linear trendlines, (b) comparison between experimental data and
model calculated results.

between imbibition volume and time begins to fail. As the model
does not take into account any pore structure evolution, so it is
expected that the model estimated volume is less than the experimental observation (Fig. 8b).
Stage 3: The experimental imbibition water started at a moment beyond 1500 min to grow slowly and even stop near the
end as the core sample has limited length and gets water-saturated
quickly. If we do utilize linear relationships to approximate the
complete data produced during the three stages, see Fig. 8a, it is
clear that the three slopes are distinct to each other. Note that at
this last stage, the calculated value is about 8%−30% higher than
the experimental result (Fig. 8b) and has a trend to increase persistently, which is obviously contrast to the experimental tendency.
This is because the core sample in the experiment has limited
length but the “sample” length considered in our model is unlimited, i.e., there is no chance for the modeling sample to get watersaturated, hence the model calculated volume goes up the way as
shown in Fig. 8b.
Fig. 10 compares the imbibition volumes against imbibition
time for the three types of pores. With the model parameters
shown in Tables 3 and 4, note that the maximum imbibition volume of clay pores is 0.832cm3 , which accounts for 64% of the to-

Fig. 9. Experimental observation of micro-fractures induced during the second
stage.

iment, in other words it is successful in our model simulation of
the imbibition process regarding multiple types of shale pores.
Stage 2: During this period, micro-fractures are gradually induced and opened up (see Fig. 9) and pores are slightly expanded
too, which was conﬁrmed by Liu & Sheng [54] as well, due to water absorption into shale matrix. As a result, the linear correlation
6
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Table 5
The parameters value of the non-clay pores in shale.
Parameter

θ

μ

σ

Ls

m

Df

DT

bmax

bmin

bav ∗

Unit
Value

°
30

mPa•s
1

mN/m
70

nm
5

–
4

–
2.62

–
1.269

nm
897

nm
1.49

nm
3.98

∗

%
4.83

Mean pore short axis.

Table 6
The parameters value of the clay pores in shale.

θ

wmax

wmin

Ls

ECEC

Df

DT

Unit
Value
Parameter
Unit
Value

°
11.5
Csh
mol/L
0.87

nm
261
Rca-m
–
1.8

nm
1.49
Rca-w
–
1.63

nm
1.53
Ra-mw
–
1.37

mmol/100 g
3.7
Cf
mol/L
0.017

–
2.62

–
1.377
T
K
423.15

c

%
7.84

increase of the pore fractal dimension, the length imbibition coeﬃcient decreases gradually (Fig. 11a), which results in the decrease of the imbibition coeﬃcient. This is because the larger the
pore fractal dimension is, the higher the number of small pores accounts for [56], further leading to a lower short-axis mean value of
elliptic pores.
As the fractal dimension of tortuosity is increased from 1 to
1.5 (Fig. 11b), the length imbibition coeﬃcient experiences a rather
sharp fall in a concave manner. This can be anticipated, as a higher
level of tortuosity in the ﬂow channels would lead to shorter ﬂow
distances.

Fig. 10. Comparison curve of calculation results of imbibition of three types of
pores.

tal volume, followed by further imbibition amount of 0.267 cm3
within organic pores, for 20.6%, and ceased at 0.2 cm3 imbibition
volume of brittle pores, for 15.4%.

4.1.2. Effect of pore size
Fig. 12 shows the impact of the maximum (bmax ) and minimum
(bmin ) values of short axis on the imbibition coeﬃcient. The length
imbibition coeﬃcient is positively correlated with both variables,
with bmax causing a greater change.

4. Imbibition inﬂuencing factors
The imbibition model of clay and non-clay pores can be expressed in the form of a shale fractal imbibition model:

V = CimV t 1/(2DT ) =AimCimLt 1/(2DT )

Parameter

(33)

4.1.3. Effect of porosity
A comparison is drawn between how changing porosity would
affect the length and volume imbibition coeﬃcients in Fig. 13a linear relationship is evident in the case of the length imbibition coeﬃcient; while the volume imbibition coeﬃcient follows a powerlow trend. It is recognized that higher porosity is associated with
smaller tortuosity, meaning a straighter streamline and easier ﬂow.
Moreover, the enlarged imbibition area (with higher porosity values) will certainly result in a rising volume imbibition coeﬃcient.

Where V is the imbibition volume, CimL is the length imbibition
coeﬃcient (imbibition length at t = 1) and CimV is the volume imbibition coeﬃcient (imbibition volume at t = 1).
In Eq. (33), the time index (i.e., 1/2DT ) is less than 0.5, which
is associated with fractal characteristics and pore connectivity of
shale pores. It is consistent with the range of 0.1 and 0.5 obtained
by Yang et al. [55] and Singh [19] through shale imbibition experiments. When it is 1, the model becomes a uniform bundle model,
and the imbibition time index is 0.5.
The imbibition coeﬃcients (CimL and CimV ) reﬂect the potential
of shale pores for imbibition; the higher their value, the stronger
the imbibition capacity. CimL refers to imbibition depth or length,
and CimV quantiﬁes the imbibition volume. As indicated by Eq. (33),
the imbibition volume will be greater for longer imbibition times
and larger imbibition areas.

4.2. Fractal analysis of imbibition in clay pores
The list of the measurements relevant to clay pores is given in
Table 6. These values are input to the model Eq. (33) to analyze
the sensitivity of the imbibition process on clay pore fractal characteristic, pore size and ﬂuid viscosity, meanwhile keeping all the
other variables invariant.

4.1. Fractal analysis of imbibition in non-clay pores
To explore the factors that affect imbibition capacity of nonclay pores, a list of all the parameters that are directly or indirectly
used as input to Eq. (33) is compiled in Table 5. The presented
values will be used in evaluating the sensitivity of the imbibition
process when pore fractal characteristic, pore size and porosity are
allowed to vary, while keeping all the other elements constant.

4.2.1. Effect of pore fractal characteristics of clay
Similar to non-clay pores, the effects of pore and tortuosity
fractal dimensions are investigated and depicted in Fig. 14. Overall, the trends match those of the non-clay pores. The decrease in
the imbibition coeﬃcient is sharper for the tortuosity dimension.
Once again, the range of values spanned by the osmotic-pressure
imbibition is greater, compared to capillary imbibition.

4.1.1. Effect of pore fractal characteristics
Pore fractal characteristics include pore and tortuosity fractal
dimensions. Considering Eq. (33) and the data given in Table 3,
the length imbibition coeﬃcients are computed (Fig. 11). With the

4.2.2. Effect of pore size
Fig. 15 demonstrates how minimum and maximum pore width
can change the capillary and osmotic pressure components of the
7
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Fig. 11. Imbibition coeﬃcient vs. pore fractal characteristics in non-clay pores.
(a) Pore fractal dimension (b) Tortuosity fractal dimension.

Fig. 12. Length imbibition coeﬃcient vs. non-clay pore size.
(a) Minimum pore short axis (b) Maximum pore short axis.

wmax has produced a steeper and more linear change to the imbibition coeﬃcient (Fig. 15b). The coeﬃcient tends to plateau towards
the upper values of wmin (Fig. 15a). Additionally, the increment of
imbibition coeﬃcient under osmotic pressure is greater than that
from the capillary force.
4.2.3. Effect of ﬂuid viscosity
As indicated by Fig. 16, ﬂuid viscosity can play a role in determination of the imbibition coeﬃcient. Viscosity is a measure of
the ﬂow capacity of a ﬂuid and can similarly inﬂuence the ﬂow
driven by either the osmotic pressure or the capillary forces. A dramatic drop in the imbibition coeﬃcient is recorded as viscosity is
changed from minimal to around 15 mPa•s. Beyond this value, the
imbibition begins to gradually stagnate. This inverse relationship is
described by Eq. (30).
Fig. 13. Length and volume imbibition coeﬃcients vs. porosity of non-clay pores.

4.3. Comparing the imbibition capacity of the three pore types
imbibition as well as total imbibition. The length imbibition coeﬃcient has a positive correlation with both wmin and wmax ; however,

Based on the discussions above, it should be obvious that shale
imbibition is determined by all of the organic, brittle mineral and
8
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Fig. 14. Length imbibition coeﬃcient vs. fractal characteristics in clay pores.
(a) Pore fractal dimension (b) Tortuosity fractal dimension.

Fig. 15. Length imbibition coeﬃcient vs. minimum and maximum pore size in clay pores.
(a) Minimum crack width (b) Maximum crack width.

4.3.1. Imbibition length comparison
Imbibition length is calculated per pore type and at different
times using the information presented in Table 3 and Eq. (33). Results reveal that the clay pores and organic pores have the highest
and lowest values of the length imbibition coeﬃcient, respectively,
with brittle mineral pores lying in between (Fig. 17a). The same order is observed with regard to the imbibition speed (Fig. 17b). The
imbibition length of clay pores is the largest, while that of organic
pores is the smallest.

4.3.2. Imbibition volume comparison
The same analysis as above is performed for the imbibition volume. As shown in Fig. 18b, at 10 0 0 min the imbibition volume
through clay, brittle mineral and organic pores are 0.631, 0.153
and 0.201cm3 , respectively. The ultimate imbibition volume via
clay pores is considerably larger than the combined volumes of
the other two types put together. This is conﬁrmed by the significantly higher value of the volume imbibition coeﬃcient in clay
pores (Fig. 18a).

Fig. 16. Imbibition coeﬃcients vs. ﬂuid viscosity in clay pores.

clay pores. The imbibition relationship (Eq. (33)) was used to calculate the imbibition volume. Table 3 provides the characteristic
parameters for the three pore types.
9
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Fig. 17. Comparison of length imbibition of different pore type at various times.
(a) length Imbibition coeﬃcient vs. pore type (b) Imbibition length vs. time.

Fig. 18. Comparison of imbibition volume of different pore type at various times.
(a) Imbibition volume vs. pore type (b) Imbibition volume vs. time.

4.3.3. Discussion
In the comparative analysis of the self-imbibition in three different types of shale pores, it is noticeable that the clay pores
self-imbibition depth is deepest, while the organic pores have the
shallowest depth. The self-imbibition process cannot be described
by piston-like displacement but non-uniform advance instead. This
is because apart from the capillary force, the clay pores are also
affected by osmotic pressure, which explains why the clay pores
have the deepest self-imbibition depth (Fig. 16b). According to
Eq. (6), the larger the contact angle the smaller the capillary force.
Therefore, the self-imbibition force of organic pores is weakest due
to their largest contact angle (Table 3), leading to the shallowest
self-imbibition length. Of course, pore size, fractal dimension and
tortuosity fractal dimension also have certain amount of inﬂuence
on the self-imbibition, however in our experiment these parameters have no signiﬁcant impact to be observed, consequently they
are ignored in our model for simulating the self-imbibition in the
three kinds of shale pores.

(2)

(3)

(4)

5. Conclusion
(1) The average shale pore sizes are distributed over a wide range
from 10 to 200 nm in this work. The organic and clay pores
account for the largest proportion in the range of 10–30 nm,
while brittle mineral pores are most frequently at diameters in
the range of 10 0–20 0 nm. Organic and brittle mineral pores are

(5)

10

geometrically more or less elliptic, whereas the clay pores resemble parallel fractures.
The effect of fractal characteristics on imbibition capacity of
clay and non-clay pores is nearly identical. With increase in the
fractal dimensions of pores and tortuosity, the imbibition capacity drops, but a more signiﬁcant effect in the case of tortuosity. As the pore fractal dimension approaches values close to
the upper limit of 2, the water absorption capacity decreases
even more signiﬁcantly.
The relationship between clay and non-clay pore size and imbibition is also consistent and straightforward. In both cases,
the enhancement of imbibition is greater when the maximum
equivalent diameter (short axis for non-clay pores and crack
width for clay pores) is greater. For clay pores, the increase of
imbibition capacity under osmotic pressure is greater than that
under capillary force.
When the liquid viscosity is incremented up to a certain value
(e.g., 15 mPa.s in this work), the imbibition coeﬃcient of clay
pores undergoes a severe drop (under either osmotic pressure
or capillary forces). Beyond this critical value, the imbibition
begins to gradually stagnate.
Among the three pore types, clay pores have the fastest imbibition and the longest imbibition length. Moreover, the imbibition volume of clay pores is much larger than that of organic
and brittle mineral pores.
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